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We test the permeability response of Marcellus shale and Wolfcamp shale under changing strain. While magnitude of strain for a given stress is determined predominantly through mineral composition, the response of
transport properties to a given strain are dependent on pore density, pore geometry, and rock fabric/mineral
distribution around pores. We characterize the diﬀerences between the two shales using bulk mineralogy, SEM
imaging with elemental analysis, and the cubic law for permeability evolution. We ﬁnd that the Marcellus shale
is comprised predominantly of clays that leads to more deformation when stressed than the Wolfcamp shale
which is composed predominantly of quartz and calcite. The level of creep and compaction are directly related to
the amount of clay in each shale sample. A novel result of our study is a strain-driven model to capture permeability evolution in shale due to diﬀerences in pore structure.

1. Introduction
Permeabilities within shale reservoirs represent diﬀerent length
scales (Curtis, 2002). First order permeability of a stimulated rock volume involves 1. fractures induced by hydraulic stimulation which
create a highly conductive pathway that increases the overall permeability of the reservoir and 2. preexisting natural fractures which are
the result of subsurface processes that occur during burial, organic
maturation, and the application of tectonic stress (Engelder, 1985;
Hancock & Engelder, 1989; Engelder et al., 2009). While the permeability of these features are orders of magnitude higher than that of the
matrix permeability, it is critical to point out that permeability decreases through time in these features during depletion due to creep
and proppant embedment. The surface area of these features is thought
to impact initial production.
Second order permeability in shales is found in the solid matrix
between fractures. Within the rock matrix, there exist small pathways
between grain boundaries that allow for hydrocarbon storage, localized
migration, and migration to larger fractures and adjacent porous reservoirs. While the permeability of these features is orders of magnitude
less than that of the induced and stimulated fracture system, they still
play a critical role in the ultimate recovery of the well. There are two
sets of such ﬂow paths which create distinct, orthogonal permeabilities:
one plane oriented in the bedding-parallel direction and one in the
∗

bedding-perpendicular direction. The ﬂow paths in the bedding-perpendicular direction are often typiﬁed as highly tortuous nano-sized
capillary tubes (Javadpour et al., 2007; Javadpour, 2009; Civan et al.,
2012), whereas the ﬂow paths in the bedding-parallel direction can be
modelled as long penny-shaped slit-like cracks (Li and Elsworth, 2014;
Kumar et al., 2015). Many studies have focused on characterizing the
ﬂow in the bedding-perpendicular direction: the purpose of this study is
to better understand the ﬂow in the bedding-parallel direction, as this is
critically important for understanding long-term well performance.
Within the matrix, shale is an orthotropic material with a dominant
fracture set in the bedding-parallel direction (Crook, 2002; Bonnelye,
2017). The dominant fracture set is composed of long, penny-shaped
fractures separated
by ﬁnely laminated
bedding planes
(Bandyodaphyay, 2009) of the order of 1–100 μm in separation (Ulm
and Abousleiman, 2006; Horne, 2013). The fracture apertures in the
bedding-parallel direction are thought to range between 0.01 and 0.5
microns—a range which allows for diﬀusion-driven ﬂow as the aperture
approaches the mean free path of the gas molecules (Javadpour, 2009;
Civan, 2013). This fracture set is responsible for the majority of ﬂow at
this scale; permeability in the bedding-parallel direction has been found
to be 10 to 100 times higher than permeability in the bedding-perpendicular direction (Bolton et al., 2000; Kwon et al., 2004; Pan et al.,
2015).
Many investigators have focused on characterizing the nano-tube
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driven ﬂow in the bedding-perpendicular direction and have found that
the no-slip boundary condition used to develop laminar ﬂow models is
no longer valid at fracture diameters in the 1 nm–50 nm range
(Javadpour, 2009; Civan et al., 2012). Measured permeabilities in
shales range from 10−23 m2 to 10−17 m2 (Daigle, 2017). Darcy driven
ﬂow dominates from approximately 10−20 m2 to 10−17 m2, whereas
molecular diﬀusion and Knudsen ﬂow must be accounted for when
permeability reaches approximately 10−21 m2 or lower (Brown et al.,
1946; Civan et al., 2012). These ranges are not absolute, and an understanding of the fracture set geometry and distribution within the
matrix remain critical parameters for characterizing permeability and
ﬂow through these tight rocks.
Permeability is a dynamic metric: drilling (Islam et al., 2009), fracing (Daigle, 2017), creep (Sinha et al., 2013), and seismic events
(Polak et al., 2003; Candela et al., 2014) have all been shown to alter
the initial permeability. A change in permeability is caused by either a
change in ﬂow channel diameter or fracture coalescence (Eberhardt
et al., 1999). In both cases, deformation is the main contributor to
changes in the fracture geometry. At stresses that are well below the
ultimate strength of the rock matrix, compressive deformation initially
closes fractures, whereas fractures begin to coalesce as compressive
stress approaches the ultimate strength (Walsh, 1966; Scholz, 1968).
There are three key parameters that deﬁne a fracture set geometry
within a shale: the fracture length a, the fracture aperture b, and the
fracture spacing s. The aspect ratio α of a capillary tube is the ratio b/a
and ranges from unity for circular tubes to a limit of zero for long
cracks. The ability to ﬂow ﬂuid through a fracture set is predominantly
a function of the fracture aperture, and gas production is typically
modelled as ﬂow between parallel plates (Goodman, 1989). Of equal
importance is the fracture spacing—if the fractures are dense then
permeability will be higher, whereas permeability will be lower where
the spacing between fractures is large. Fracture spacing is known to be
related to bedding thickness (Ladeira, 1981; Narr, 1991) and the degree
of rock compaction during burial (Chang et al., 2009). Spacing is often
proportional to fracture aperture (Garrett and Bailey, 1977). While it
will vary spatially, the spacing, determined by permeability measurements, will reﬂect an average (Narr, 1996; Ortega et al., 2006). In joint
sets, the spacing between fractures is known to remain constant after a
certain compressive strain threshold (Wu and Pollard, 1995).
Elsworth (1989) explored permeability evolution in fractured media
when the change in aperture was due to deformation of the solid bedding planes and was controlled by s. This assumption is valid when
mineral stiﬀness is much larger than fracture stiﬀness or when s is much
larger than b. In the case of shale matrix, there currently exists no
quantitative link between the bedding planes—which are ﬁnely laminated mineral ensembles—and fracture spacing. The aim of this work is
to quantify the spacing and apertures in shales, the spacing-to-aperture
ratio, and to allow the determination of these two variables.
In addition to diﬀerences in pore geometry and fracture density,
shales also exhibit a range of mineralogical composition which inﬂuences material properties. The bulk modulus and shear modulus of a
rock can be approximated if its mineralogical composition is known, as
these values will be an average of individual elastic moduli of each
mineral (Voigt, 1889; Reuss, 1929; Hill, 1952; Clark, 1966; Simmons
and Wang, 1971). Shale is a class of rocks typiﬁed by low permeability
and high clay content. However, the variation in mineralogy between
shale basins is large, resulting in widely variable bulk responses to
changes in stress (Sone and Zoback, 2013). The main mineral constituents of shale, besides clays and organic material—quartz, feldspars,
carbonates, and pyrite—have rigid grains and resist mechanical compaction to a greater degree than clays (Gu and Mildner, 2016). Variations in mineralogy lead to variations in the distribution of bulk elastic
and non-elastic deformation.
A common feature of shales that makes them diﬃcult to characterize in the laboratory is time-dependent compaction. After a shale
sample has been reintroduced to stress, it will continue to compact for a

period ranging from hours to weeks (Sinha et al., 2013). The magnitude
of this compaction is variable, and the permeability reduction experienced during this time can be either negligible or several orders of
magnitude. A critical unknown in the laboratory is whether this time
dependent compaction is a feature that reservoir rocks will experience
during drilling and completion operations and pressure depletion or
whether it is simply the rock returning to its in situ conﬁguration after
being exhumed and fully stress-relieved. As this compaction is noted in
both outcrop and cored samples, it is believed to be a condition that can
be activated during drilling and completions activities. As mineralogy is
heterogenous throughout a reservoir, the mechanical response to reactivated compaction is complex. An understanding of pore structure
throughout the reservoir is required to understand the response of
transport properties to reactivated compaction.
For shales that have high proportions of organic matter, the porosity
is mainly within the organic matter itself (Loucks et al., 2009). Much of
the remainder of the porosity is in the clay—predominantly illite and
smectite (Sondergeld et al., 2010; Curtis et al., 2012). This leads to a
potential mismatch in deformation modulus between the minerals
surrounding the pore space and the minerals within the matrix. Regardless of overall mineralogy, dissolution of silica or calcite over
geologic timescales can lead to cementation of pore boundaries (Berger
et al., 1997; Metz et al., 2005). Published values of elastic moduli for
various minerals suggest that this disparity of mineral distribution
around pores can cause a mismatch in material properties that could
span several orders of magnitude (Mavko & Mukerji, 1998; Mavko
et al., 2009).
In addition to fracture spacing and mineral distribution, pore geometries of shales are known to diﬀer between basins. Aspect ratios vary
from 0.05 to almost 1.0 in Permian Basin shales, whereas the Bakken
shale has an average aspect ratio of 0.10 (Bandyopadhyay, 2009; Sone
and Zoback, 2013). The additional aperture closure that results from
decreasing aspect ratios at the same strain may contribute substantially
to permeability evolution where two shales are characterized by different aspect ratios. In this study, we further explore the mineralogical
diﬀerences between the Marcellus shale and Wolfcamp shale. We use
the cubic law to solve for fracture spacing and aspect ratio for these two
basins. We incorporate diﬀerences in mineral distribution around pores
into our strain-driven model and ﬁnd that permeability evolution with
evolving strains can be described with these variables.
2. Characterization techniques
We perform a suite of experiments on cylindrical samples of
Marcellus and Wolfcamp shale loaded into a triaxial vessel. Samples are
stressed and allowed to compact until no additional deformation is
measured by an LVDT placed on the outside of the triaxial vessel.
Compaction lasts anywhere from a few hours to a few days. We measure
permeability evolution with evolving strains and diﬀerent pore ﬂuids
using pressure pulse tests. Mineralogic data are collected on samples
before loading them into the triaxial vessel.
2.1. SEM imaging
In addition to experimental data, we gather SEM images from our
samples. We perform elemental analysis on two separate samples for
the Marcellus shale and two for the Wolfcamp shale (Fig. 1). We include
elemental analyses for calcium, aluminum, and silicon as proxies for
calcite, clays, and quartz—we note that silicon will be present in clays
as well as in quartz grains. Fig. 1 shows a greater concentration of silicon where quartz is located, whereas measurements in clays do not
generally show such high concentrations. As can be seen in Fig. 1, the
Marcellus sample shows much higher clay composition with calcite and
quartz embedded in a clay matrix, whereas the Wolfcamp samples show
much higher quartz and calcite composition. The scale of the Marcellus
samples are both approximately 250 μm per edge, whereas the scale of
2
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Fig. 1. SEM images of Marcellus and Wolfcamp shales. Each row shows (from left to right) a backscatter image, calcium content, aluminum content, and silicon
content as proxies for calcite, clays, and quartz.

the Wolfcamp samples are approximately 500 μm per edge. Thus, the
Wolfcamp images display four times more area due to the size of individual grains being large compared to the Marcellus. Because the
Marcellus grains are much smaller, the images are cropped twice as
close per edge to ensure meaningful resolution.
The images of Fig. 1 are typical for the samples investigated. As can
be seen in the column of backscatter images, the fabric of these two
shales are categorically diﬀerent. This is conﬁrmed in the second
column, where the calcium content of the Wolfcamp sample is much
higher than that in the Marcellus sample. While these are both shales,
the diﬀerences in depositional environment, burial history, thermal
maturation, and mineral migration are apparent as the clay content of
the Marcellus samples appears to be quite high compared to that of the
Wolfcamp samples.
In order to capture the eﬀect of mineral distribution on permeability
evolution, we denote the stiﬀness of minerals that constitute pore
boundaries with Ksk and the stiﬀness of minerals distributed in the
matrix further away from pores with Km. In this parlance, Ksk is chosen
to describe the stiﬀness of the “skeletal” minerals ﬁlling a pore—the
grains that keep the pore open against stress applied normal to the pore
boundary. Ksk and Km do not refer to speciﬁc minerals, but rather the

stiﬀness of those minerals. Ksk/Km values greater than unity would
likely be indicative of pores surrounded by quartz or calcite with clays
and organics being found further away from pores. A much more
common scenario for shales would be Ksk/Km less than unity, which
would indicate that pores are found within clays and organics whereas
stiﬀer minerals such as calcite and quartz would be distributed further
away in the surrounding matrix. A Ksk/Km value of unity would indicate
that the stiﬀness of minerals along pore boundaries is identical to the
stiﬀness of minerals in the surrounding matrix. When a compressive
deformation is applied, the distribution of that deformation will depend
on Ksk/Km. Two rocks could experience the same bulk deformation, but
the rock with a lower Ksk/Km will have a larger loss of permeability due
to the deformation being concentrated in the softer minerals that make
up the pore boundary. These images suggest that in the Marcellus Ksk/
Km may be less than unity—pores are surrounded by softer clays and
organic matter that concentrates local deformation around the pores
themselves.
2.2. Mineralogic data
A third-party vendor conducted X-Ray Powder Diﬀraction (XRD)
3
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Fig. 2. Cross plots of mineralogy by weight % for Wolfcamp samples and Marcellus samples. Fig. 2a displays clay content vs. quartz content and shows that the
Marcellus typically has higher clay composition. Fig. 2b displays clay content vs. carbonate content. Fig. 2c displays quartz content vs. carbonate content and shows
that the Wolfcamp samples have higher quartz composition. Fig. 2d shows quartz + clay vs. carbonate content. All values for both basins fall along a straight line.
Fig. 2e displays quartz + carbonate vs. clay and shows that the Wolfcamp is predominantly quartz and carbonates whereas the Marcellus is predominantly clay. This
suggests a mismatch in mineral distribution around pores. Fig. 2f displays clay + carbonate content vs. quartz content.

to 44% by weight. Quartz values range from 19% to 38% in the Marcellus and in the Wolfcamp from 17% to 52% by weight. Fig. 2b shows
clay content cross-plotted with carbonate content. In both basins, as
carbonate content increases, clay content decreases. The carbonate
content in the Marcellus ranges from 0% to 43% and in the Wolfcamp
from 2% to 71%. Fig. 2d shows the combined quartz content and clay
content compared to the carbonate content with results for both basins
showing an identical linear trend. Fig. 2e and f shows cross-plots for
diﬀerent combinations of quartz, clay, and carbonates.
For the Wolfcamp shale samples we gather acoustic data and density

spectroscopy to determine mineralogy for both the Marcellus and
Wolfcamp samples. We ﬁnd that, in general, the Marcellus samples are
clay-rich with lesser amounts of quartz or carbonates than the
Wolfcamp samples. In Fig. 2 the clay content of Marcellus samples are
generally higher than in the Wolfcamp samples, whereas the Wolfcamp
has larger amounts of quartz and carbonates. These three minerals
account for most of the composition for each sample, although organic
matter (1–4%), pyrite (< 2%), and other minerals are found to lesser
degrees. Fig. 2a shows that values for clay content in the Marcellus
range from 27% to 60% by weight and in the Wolfcamp range from 8%
4
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Fig. 3. Elastic moduli of Wolfcamp samples with varying mineralogy. E, G, and K all decrease with increasing clay content (LHS) and decreasing carbonate content
(RHS).

data. We use the standard equations to convert Vp, Vs, ν and ρ into K, G,
and E:

4
K = ρ ⎛Vp2 − Vs2 ⎞
3 ⎠
⎝

(1)

where K is the bulk modulus, ρ is the rock density, and Vp and Vs are the
compressional and shear wave velocities, respectively.

G = ρVs2

(2)

where G is the shear modulus.

E = 2ρVS2 (1 + ν )

(3)

where E is the Young's modulus and ν is the Poisson ratio.

ν=

Vp2 − 2Vs2
2(Vp2 − Vs2)

(4)

We then plot elastic moduli against mineralogy. Vp ranged from 3.5
to 5.6 km/s and Vs ranged from 2.1 to 3.2 km/s. Density ranged from
1450 to 1835 kg/m3. Poisson ratio ranged from 0.18 to 0.28 with most
values falling between 0.19 and 0.22.
In Fig. 3 we see that all three of the moduli decrease with increasing
clay content and increase with increasing carbonate content. Because
the mineral stiﬀness of quartz is intermediate between calcite and clays,
the relationship between quartz content and deformation modulus is
neutral when compared to the other two and is not included in Fig. 3.
Values for bulk modulus K ranges from 10 GPa to 26 GPa as the clay
content ranges from 8% to 44% and carbonate content ranged from 2%
to 71%. Bulk modulus for clay ranges from 1.5 GPa for Kaolinite to
25 GPa for Gulf clays, whereas quartz is 37 GPa, calcite is 64–77 GPa,
and kerogen is 2.9 GPa (Mavko et al., 2009). These values suggest that
the minerals found in the Wolfcamp must be on the low end of the
ranges provided by Mavko et al. (2009).

Fig. 4. Compaction after loading (left) is related to % clay content (right).

laboratory (Sinha et al., 2013). During our experimental suite we
measure permeability evolution with pore pressure using helium and
methane in series. As can be seen in Fig. 5, the Marcellus sample does
not exhibit the expected behavior. The helium curve should be monotonically increasing, as the only elastic eﬀect should be poromechanical
expansion. However, as time dependent compaction is also occurring,
both the helium and methane curves are rotated downward. On the
right-hand side of Fig. 5 is a set of curves for the Wolfcamp shale. There
is not the same time dependent compaction visible in the Wolfcamp
sample, as can be seen by permeability enhancement with increasing
pore pressure for helium. Looking closer at the mineralogy of these two
samples, both have an organic content of 3%, resulting in similar
wedges between the helium curve and the methane curve due to adsorptive permeability loss with methane. However, the Marcellus
sample is 50% clay whereas the Wolfcamp sample is only 38% clay.
Later we show that the creep driven permeability loss is also due to the
additional pore compressibility within the Marcellus.

2.3. Time dependent compaction data
We compile compaction data from six Marcellus shale samples. All
samples are loaded to 24 MPa hydrostatic stress and allowed to compact
until there was no additional deformation. Deformation is measured at
a rate of 1 Hz. Fig. 4 shows compaction over approximately 8 h. In this
case, positive strain is compressive. These curves are compared to mineralogic data and it is found that the magnitude of compaction is directly related to the clay composition of each sample. The right axis of
Fig. 4 shows the clay content of each sample and provides an excellent
match.
Time dependent compaction is a common problem for shale in the

2.3.1. Permeability evolution with strains
Following samples compaction, permeability evolution was measured under varied strain. In general, Marcellus samples experienced a
much larger reduction of permeability compared to the Wolfcamp
samples. In Fig. 6 we plot permeability evolution versus strain for a
representative run from each shale basin. The permeability evolution in
the Wolfcamp was quite diﬀerent than in the Marcellus. As can be seen
in Fig. 6, the Marcellus sample experienced a 100-fold permeability
5
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Fig. 5. Permeability evolution vs. pore pressure. The blue curve representing helium should be monotonically increasing due to poromechanical expansion, as is seen
on the RHS for the Wolfcamp sample. The downward shift of the curves on the LHS is due to time dependent compaction throughout the experiment. Both shale
samples are 3% organic matter, which is seen in the adsorptive permeability loss between the helium and methane curves for each sample.

3. Characterization using the cubic law
The cubic law can be modiﬁed to explore the roles of fracture
spacing, fracture geometry, and mineral distribution around pores.
First, we derive an expression for the spacing to aperture ratio s/b in
terms of permeability evolution with strain. Then, we modify that expression to solve for average aspect ratio b/a. We can use the mineralogical constraints to reconcile the diﬀerences in permeability evolution with the mineral distribution around the pore space as captured by
Ksk/Km.
3.1. Fracture spacing
Next, we examine the disparity between the Wolfcamp and
Marcellus shale's permeability evolution by exploring the spacing to
aperture ratio s/b. In Fig. 7, the cubic law is used to plot several permeability curves at diﬀerent spacing to aperture ratios along with the
experimental data to illustrate the inﬂuence of this variable. As can be
seen, the data suggest that the Marcellus shale fracture spacing is much
further apart than the Wolfcamp. For fractures that are far apart, the
spacing can be the primary driver of permeability evolution.

Fig. 6. The same magnitude of strain in Marcellus samples produce very large
permeability loss compared to the same level of strain in Wolfcamp samples.

reduction compared to the Wolfcamp at the same amount of external
strain.
An LVDT measures the mean axial strain of a sample, and whether
the localized departure of strain from the mean is important depends on
several factors. In the case of mean strain measured alongside permeability of a shale sample saturated with a single ﬂuid, there are several
considerations to be evaluated. A bulk permeability measurement reﬂects the mean pore channel aperture within the sample (Narr, 1996)
such that using mean strain in a permeability model is appropriate.
However, one scenario in which the strain will be distributed unevenly
is when a sample is composed of minerals with very diﬀerent individual
deformation moduli. In that instance, strain would be concentrated in
the softer components. If the permeable pathways are also concentrated
in the softer components—such as the ﬂow conduits in the Marcellus
being concentrated in clays and organic matter—then the permeability
loss for a given compressive mean strain will be larger than for a sample
in which permeable pathways are not concentrated in the softer components. Therefore, a departure from the mean strain due to mineral
distribution around pores must be considered in any permeability
model for materials with mineral constituents of varying deformation
moduli.

Fig. 7. As s/b increases, permeability is reduced at the same strain. The
Marcellus shale permeability data ﬁts an s/b of approximately 1500, whereas
the Wolfcamp sample ﬁts an s/b of 50. In this ﬁgure, no other inﬂuences are
considered.
6
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For ﬂow between parallel plates, permeability evolution can be cast

over pore length—we cast pore compressibility as

as
⎜

(11)

⎟

(5)

The strain in the pore space is related to the eﬀective stress and the
pore compressibility:

2

where k is the permeability in m , k0 is the initial permeability, b0 is the
initial aperture, and Δb is the change in aperture—in the case of
aperture reduction Δb is negative. In our experiments, we measure
deformation along the bedding-parallel fracture set such that the dynamic Poisson ratio is required to convert to deformation perpendicular
to the fracture set. To calculate the portion of permeability evolution
due to spacing, Δb can be deﬁned as

εpc = σ ′Cpc

3
k
= (1 − σ ′Cpc ) 2
k0

1−ν
Gα

Cpc =

3

⎜

(13)

As α approaches zero, pore compressibility can be simpliﬁed as

where ν is the Poisson ratio, ε is the longitudinal strain, and s is the
fracture spacing in meters. This changes Eq. (5) to

k
s
= ⎛1 − νε ⎞
k0
b
0⎠
⎝

(12)

The change in aperture Δb/b can be calculated two ways. The ﬁrst is
to assume that the aspect ratio is constant. In that case, the isolated role
of pore geometry in determing permeability evolution is

(6)

Δb = νεs

(14)

⎟

such that

(7)

Eq. (7) is similar to assuming that the fractures are soft compared to
the matrix (Elsworth, 1989):

Δk =

1−ν
1
⎛α + ⎞
G ⎝
α⎠

Cpc =

3

k
Δb ⎞
= ⎛1 +
k0
b0 ⎠
⎝

1
(b + sΔε )3
12s

εpc = ε

(15)

where we diﬀerentiate between the pore strain εpc and the bulk external
strain ε. Setting Eq. (7) and Eq. (13) equal to each other:

(8)

1

Because spacing is assumed to be constant, we note that the initial
spacing-to-aperture ratio s/b0 is constant:

s
= constant
b0

1−ν
α

⎛1 − ε
⎝

1−ν 2
s
⎞ =1−ν ε
α ⎠
b0

(16)

Expanding the right hand side creates a 2nd order polynomial

(9)

1−ε

We can therefore rearrange Eq. (7) in terms of this constant ratio:

1−ν
s
s2
= 1 − 2ν ε + ν 2 2 ε 2
α
b0
b0

(17)

1

s
1 ⎛
k 3⎞
1−⎛ ⎞ ⎟
=
b0
νε ⎜
k
⎝ 0⎠ ⎠
⎝
⎜

Which simpliﬁes to

⎟

(10)

a
s
s
(1 − ν ) = ν ⎛2 − ν ε ⎞
b
b0 ⎝
b0 ⎠
⎜

In the above formulation, the value of the spacing-to-aperture ratio
is a constant and represents the role of the fracture spacing in permeability evolution in the absence of other inﬂuences. We plot the values
of Eq. (10) below in Fig. 8 for a Marcellus sample and a Wolfcamp
sample.

Noting that b/b0 is
1
3⎛

⎟

(18)

k/k01/3

a
ν ⎛k⎞
k
1+⎛ ⎞
=
s
1 − ν ⎝ k0 ⎠ ⎜
⎝ k 0 ⎠ ⎟⎠
⎝
⎜

this expression becomes

1
3⎞

⎟

(19)

Eq. (15) is valid when the aspect ratio α is assumed constant. This
need not be the case, and in the event that α changes due to fracture
closure then Eq. (13) becomes

3.2. Pore geometry
Exploring the role of pore geometry where α is b/a—pore aperture

k
= (1 − σ ′Cpc )3
k0

(20)

This term a/s may be isolated by equating Eq. (7) and Eq. (20) to
yield

1−ε

1−ν
s
=1−ν ε
α
b0

(21)

This simpliﬁes to

a
s
(1 − ν ) = ν
b
b0

(22)

Such that
1

a
ν ⎛ k ⎞3
=
, variable α
s
1 − ν ⎝ k0 ⎠
⎜

⎟

(23)

The results from Eq. (19) and Eq. (23) are applied to the data for the
Marcellus and Wolfcamp samples and are plotted below in Fig. 9.
The solutions we are interested in are for the case of variable α. The
value of a/s for the Marcellus is approximately 0.20 and for the
Wolfcamp is approximately 0.40. This is a valuable constraint, because
later it will allow us to deﬁne the aspect ratio in terms of the spacing.
With Eq. (10) and Eq. (23), the initial aspect ratio α0 can be calculated.

Fig. 8. Calculated fracture spacing using permeability and strain data in
Equation (10) with a Poisson ratio of 0.22. In the absence of other inﬂuences,
the Marcellus has a high spacing over 103 whereas the Wolfcamp is approximately 50.
7
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Fig. 11. Changing aperture with varying pore mineral stiﬀness. Results are
normalized to Ksk/Km equal to 1, and show that if a grain mismatch creates a
pore mineral stiﬀness less than the surrounding matrix stiﬀness, additional
aperture is lost. The results are independent of strain.

Fig. 9. Fracture length to spacing a/s. Both Eq. (19) and Eq. (23) are shown.

As strain was parallel to the ellipsoid major semi-axis, changes in aspect
ratio are primarily from changes in aperture Δb. Any Δa can be assumed
neglible for the experiment's conﬁguration, such that b0/a should provide a good estimate of α0. Combining Eq. (10) and Eq. (23) give

b0
=
a

b0
s
a
s

=

dimensional ratio Ksk/Km. We measured the change in aperture Δb/b at
diﬀerent strains and plot the results below in Fig. 11. When values are
normalized to Ksk/Km equal to 1, we note that the solution becomes
independent of strain. This is useful, as it reduces the number of variables that are dependent on strain by one. Fig. 11 should be interpreted
as the additional change in aperture as a result of pore mineral stiﬀness.
Values below this threshold represent softer minerals allowing for
greater pore closure due to strain. Values above this threshold correct
the aperture loss associated with other inﬂuences when the minerals
around pores are stiﬀer than the surrounding matrix.

ε (1 − ν )
1
1
k 3⎛ k 3
⎜
k0
k0

( ) ⎝( )

− 1⎟⎞
⎠

(24)

The results of equation (24) are plotted for each sample below in
Fig. 10. We can see in Fig. 10 that the aspect ratio for the Wolfcamp is
approximately ﬁve times larger than in the Marcellus. In the absence of
other inﬂuences, the Marcellus α is approximately 10−2, and the
Wolfcamp is approximately 5 × 10−2. Eq. (20) suggests that this alone
can result in a 50% diﬀerence in permeability evolution.

3.4. Integrating all variables
In the above sections, fracture spacing s/b, pore geometry α, and
mineral stiﬀness Ksk/Km were analyzed as independent variables in
order to understand their individual contributions to permeability
evolution. Now they are analyzed in conjunction with each other to
provide a more complete characterization of the pore structure of
shales. The complete equation for permeability evolution is

3.3. Mineral distribution around the pore space
In order to capture the eﬀect of mineral distribution around pores,
we created a simple pore model using COMSOL Multiphysics in which
the stiﬀness of the minerals directly surrounding an elliptical pore was
varied relative to the matrix stiﬀness Km. This “pore skeleton” stiﬀness
Ksk was varied between 10−3 to 103 of Km in order to create the

3

⎛
⎞
k
Δb
Δb
Δb
= ⎜1 + ⎛ ⎞ + ⎛ ⎞ + ⎛ ⎞ ⎟
K
⎜
⎟
k0
⎝ b0 ⎠ s
⎝ b0 ⎠α ⎝ b ⎠ Ksk
m⎠
b
⎝
⎜

⎟

⎜

⎟

(25)

where the inﬂuence of fracture spacing s/b, pore geometry α, and mineral stiﬀness Ksk/Km are deﬁned based on the change in pore aperture
that they are each responsible for. The last term for Ksk/Km does not
have an analytical solution, but we can use Fig. 11. Mineral stiﬀness
varies within one order of magnitude. It is expected that most mismatches will be close to Ksk/Km equal to unity; however, the variance in
aperture around this value is large. Having developed equations for the
other terms, we can recast equation (25) as
3

⎛
⎞
k
s
1−ν
Δb
= ⎜1 + νε + ε
+⎛ ⎞ ⎟
⎜
k0
b0
α
⎝ b ⎠ KKsk ⎟
m⎠
⎝

(26)

Recalling from Fig. 9 that a/s is approximately 0.2 for the Marcellus
and 0.4 for the Wolfcamp, we can constrain the relationship between s/
b0 and α:

a
a
s
=c→
=c
s
b0
b0

Fig. 10. Calculated initial aspect ratio for both the Marcellus and Wolfcamp
samples.

such that Eq. (26) becomes
8

(27)
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calcite content, lower fracture spacing, and rounder pores. These differences highlight that shales require additional characterization and
understanding the diﬀerences in pore structure is critical to predicting
permeability evolution from evolving stress. There are several pore
characterization methods that could be used to concurrently validate
this strain-driven model, and we recommend additional studies incorporating such techniques to reﬁne this model as necessary for ﬁeldspeciﬁc considerations.
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Fig. 12. Experimental data for permeability and strain plotted with Eq. (28) for
the Marcellus and Wolfcamp basins. The values used to match the Marcellus
data were s/b0 equal to 700, α equal to 7e−3, and Ksk/Km equal to 0.7. The
values used to match the Wolfcamp data were s/b0 equal to 40, α equal to 6e−2,
and Ksk/Km equal to 1.0.
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