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A B S T R A C T   

The complex interaction between fluids and solids in reservoirs includes interface slip, capillary confinement and 
the diffusion and mass transfer between CO2 and oil and results in intensely nonlinear flow complexity. This 
study proposes a relative permeability model that accommodates a fractal pore size distribution and honors these 
complex process interactions. The relative permeability to CO2 flooding, in the near-miscible region, is predicted 
through interpolation based on the Gibbs free energy (GFE). The thermodynamic phase behavior of the fluids in 
the nanopores is considered by applying critical shifts in the temperatures and pressures. A volume-translated 
Peng-Robinson equation of state is used to calculate the CO2 and n-alkane densities to high reservoir pressure. 
Fluid-based correlation and modified volumetric mixing rules are then used to extend the viscosity calculations 
to mixtures with heavy hydrocarbon components. Predictions from the proposed model better fit experimental 
observations relative to previous models similarly incorporating fractal theory. The nanopores are shown to 
increase the relative permeability of the non-wetting phase by decreasing the viscosity ratio of the two phases. 
Increasing key parameters that are related to the pore structure, e.g. the fractal dimension, Df , and critical pore 
radius, rc, increases the relative permeability of the non-wetting phase. The GFE-based interpolation contributes 
to the smooth and continuous change in the relative permeability parameters local to the critical point of the 
mixture, with the confined fluid more likely to be miscible at the same pressure than the bulk fluid. This model 
can be integrated with a compositional simulator to solve field-scale problems but accommodating the micro- 
scale physics of unconventional reservoirs.   

1. Introduction 

The growing proportion of unconventional resources contributing to 
total hydrocarbon production promotes an increased interest in the 
physics of fluid-rock interaction in tight oil and shale gas reservoirs 
[1,2]. Carbon dioxide (CO2) has been proved to be an effective solvent in 
EOR to recover oil from unconventional tight-oil and shale-oil reservoirs 
due to its high solubility and the miscibility with oil [3–5]. Nanopores, 
as rate-limiting features, comprise the most important pore types in 
unconventional oil/gas systems as they control the majority storage in 
tight/shale reservoirs [6,7]. With the decrease in the flow scale, many 
factors that can be ignored in macro scales gradually play a dominant 
role in microscale flow [8]. 

Numerous studies have addressed the effects of nano-confinement on 

the behavior of the contained fluids and their thermodynamics [9–11]. 
The static and dynamic behaviors of the fluid is altered at the molecular 
level in the presence of significant wall-force-field interactions. As a 
consequence, the mass density distribution is structured and layered 
within the systems - resulting in spatially varying shear-stress fields and 
density-dependent fluid-velocity distributions [12]. As the pore diam-
eter of the confining media decreases then pore wall-fluid dispersive 
interactions become dominant. As a result, the bulk thermodynamic 
behavior is altered, correspondingly changing coexistence locations, 
critical properties and the confined fluid density [13,14]. As for the ef-
fects of nano-confinement on nonlinear flow, several studies have pro-
posed mathematical models to describe the critical transport 
mechanisms in tight/shale pores, including boundary layer definition, 
effective viscosity corrections and slip length evaluations [15–18]. 
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Fractal scaling theory has been widely used to conduct relative perme-
ability curves governing multiphase transport behaviors in nanopores 
with these critical transport mechanisms [19,20]. Compared with lab-
oratory experiments or numerical methods, which are challengeable and 
even impossible to obtain relative permeability for the ultra-low- 
permeability media in tight/shale reservoirs, the analytical models are 
more flexible and functional [21–24]. 

However, changes in the oil and rock properties that result from the 
interaction among CO2, oil and the solid state reservoir solids, including 
oil swelling, changes in oil viscosity, CO2-oil interfacial tension and 
wettability, together with the extraction of light/intermediate compo-
nents render it a complex system to accurately characterize for multi-
phase and multicomponent transport mechanisms. We continue to need 
an improved understanding of the highly nonlinear displacement and 
transport processes as they occur at the interplay of phase thermody-
namics (phase stability and split) and rock/fluid interaction (relative 
permeability) [25]. Traditional models rely on phase labels to define the 
relative permeability parameters such as the endpoints and residual 
saturations and typically ascribe no dependence on the phase compo-
sition. This results in severe discontinuities in the relative-permeability 
versus phase-saturation relationships and in severe numerical in-
stabilities and increased computational time [26]. To alleviate this issue, 
models have been introduced that are based on phase state indicators (e. 
g., interfacial tension, parachor, GFE) [27–29]. The hydrocarbon rela-
tive permeability can then be interpolated between the gas-like and oil- 
like relative-permeability curves by using interpolation functions that 
are related to these phase state indicators. 

Numerical results, recovered with such adjustments, show signifi-
cant improvements in the nonlinear convergence with compositional 
dependencies enforced in the relative permeability near the critical 
point. However, the effects of the nanopore confinement on the multi-
phase and multicomponent transport mechanisms have not been pre-
viously included. This impact will be significant for nanoporous media 
where pore confinement effects are strong. We explore this behavior 
with a new relative permeability model to describe the nonlinear 
multiphase flow in nanoporous media with the coexistence of oil, gas, 
and water. Water exists only as a mono-molecular wall-bonded film that 
regulates liquid–liquid slip velocity of oil–water in the proposed phys-
ical model. Fractal theory is then applied to define the immiscible fluxes 
of oil and gas in the porous medium. Both fluid properties and vapor-
–liquid equilibrium (VLE) under a high pressure and temperature are 
calculated by combining the volume-translated Peng-Robinson equation 
of state (VTPR EOS) with the expanded fluid theory (EFT) of the vis-
cosity correlation. Thermodynamic phase changes of the fluids inhab-
iting the nanopores are also included in the VLE calculation to clarify the 
effect of pore-wall proximity on the molecular response. Relative 
permeability for the near-miscible state is estimated from normalized 
Gibbs free energy (GFE) based interpolation. 

2. Model and methodology 

2.1. Multiphase transport in a confined space 

Molecular simulations have confirmed that a single/mono-molecular 
layer of water film (WF) can form on the surface of inorganic matter (i.e., 
quartz) due to the high affinity of the hydrogen bonds. The WF can 
significantly influence the surface properties, such as the oil adsorption, 
mobility, contact angle, and transport behavior [30,31]. The slip 
boundary condition is particularly important in describing the hydro-
carbon transport in nanopores [32]. Moreover, a weakly ordered 
structure of the liquid hydrocarbon (C8+) and a sharp change in the 
velocity profiles in the oil–water interface regions are observed, indi-
cating the existence of liquid–liquid slip in the oil–water interface region 
[32,33]. According to the physical properties of both the static pore 
walls and the mobile fluids, we make the following assumptions. That: 
(1) the pore surfaces are water-wet, (2) the solubility of CO2 in water is 

negligible, (3) the water phase exists only as immobile bound or 
adsorbed water, (4) liquid–liquid slip occurs between water and the bulk 
oil, and 5) and a CO2-oil transition zone exists due to gas dissolution and 
diffusion. A schematic of the proposed model is shown in Fig. 1. 

2.2. Density and viscosity calculation 

The criticalities of the components (including the critical tempera-
ture, Tc, critical pressure, Pc, and critical specific volume, Vc) in the 
confined pore are modified to correspond to a prescribed pore diameter 
rp. The thermodynamic phase changes of the nanopore fluids are given 
as [9]: 

Tc =
8

27bR

[

a − 2σ3εN2 σ
rp

(

ccon
1 + ccon

2
σ
rp

)]

(1)  

Pc =
1

27b2

[

a − 2σ3εN2 σ
rp

(

ccon
1 + ccon

2
σ
rp

)]

(2)  

Vc = 3b (3)  

where a and b represent the van der Waals (vdW) energy parameters; σ 
and ε represent the Lennard-Jones size and energy parameters, respec-
tively; N is Avogadro’s number; and ccon

1 and ccon
2 are recovered as 2.6275 

and − 0.6743 from data regressions. 
The volume-translated Peng-Robinson equation of state (VTPR EOS) 

[34,35] is applicable to calculate the fluid density for the saturated- and 
single-phase regions of the pure fluids at high pressures. By using con-
ventional mixing rules, Abudour et al. [36] extended the volume- 
translation method to predict the densities of the liquid mixtures over 
a large range of pressures and temperatures to mixtures. From this, the 
volume-translation term for the equation of state is given as [36,37]: 

vVTPR = vPR + cm − δcm

(
0.35

0.35 + dm

)

(4)  

where, 

cm =

(
RTcm

Pcm

)
[
c1m −

(
0.004 + cv

1m

)
exp( − 2dm)

]
(5)  

dm =
1

RTcm

(
∂PPR

∂ρ

)

T
−

(
1

RTcm ρ2

)
a2

v1

a11
(6)  

δcm = vPR
cm
(x) − vcm (x) (7)  

cv
1m =

∑
xicv

1i (8)  

vPR
cm
(x) =

(
RTcm

Pcm

)
(
zEOS

c

)
(9)  

Tcm is the critical temperature of the mixture, Pcm is the critical pressure of 

Fig. 1. Axisymmetric multiphase flow within a parallel-sided capillary. R1 is 
the radius of the total flowing section. R2 is the radius of the gas area (including 
the transition zone and bulk gas zone). In addition, l0, l1, and l2 represent the 
thickness of the adsorbed water, bulk oil zone, and oil–gas transition. 
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the mixture, and zEOS
c is fixed at 0.3074 from the critical point condition 

for the PR-EOS [38,39]. cv
1i is a species-dependent parameter that can be 

generalized in terms of the critical compressibility factor of each fluid, 
Zci, as [40]: 

cv
1i = 0.4266Zci − 0.1101 (10) 

The true critical volume of the mixture is estimated by applying the 
following expressions [36,41]. 

vcm (x) =
∑

i
θivci (11)  

θi =
xiv2/3

ci
∑

ixiv2/3
ci

(12)  

where vci represents the critical volume of the pure compound i, θi is the 
surface fraction of compound i, and xi is the mole fraction of compound 
i. Then, the mixture critical temperature is written as [41]: 

Tcm =
∑

i
θiTci (13) 

The mixture critical pressure can then be determined as [42]. 

Pcm =
(0.2905 − 0.085ωm)RTcm

vcm

(14)  

ωm =
∑

i
xiωi (15)  

where ωm is the mixture acentric factor and ωi is the acentric factor of 
compound i. In this work, the critical properties of the fractions are 
calculated with the Lee-Kesler correlations [43], which is based on the 
same theoretical assumption as Eq. (14) (using Lee-Kesler equation of 
state [44]). Thus, the mixing rule of Eq. (14) is applicable for the fluids 
in the pores from the large scale (without confinement) to the microscale 
(with confinement). The fitting progress can induce an adjustable crit-
ical volume v’

c for the components to eliminate the additional deviation 
of the adjustment of some pseudo-component properties. Then, applying 
the approximation in Eq. (14) will not affect the calculations in other 
parts of this work. 

An expanded fluid-based (EFB) correlation is used to calculate the 
fluid viscosity so that the model is suitable for many n-alkanes, branched 
alkanes, and other hydrocarbon mixtures from [45]: 

μ − μG = c1[exp(c2β) − 1 ] (16)  

β =
1

exp
[(

ρ*
s

ρ

)n
− 1

] − 1 (17)  

ρ*
s =

ρ0
s

1 − c4[1 − exp( − c3P) ]
(18)  

where μ and μG represent the fluid and dilute gas viscosity, respectively, 
and ρ*

s and ρ represent the fluid density in the compressed state and for 
the target system, respectively. In addition, the universal constants c1 
and nare derived to be 0.4214 and 0.4872, based on the minimization of 
the error in viscosity [45,46]. c2 is a dimensionless fitting parameter for 
each pure component as recovered from the regression of some obser-
vations [45], while μ25c is the viscosity at 25 ◦C. An extensive statistical 
analysis shows that ρ*

s can be calculated by applying Eq. (18) that relates 
to the pressure, P, the compressed state density in a vacuum, ρ0

s , and the 
adjustable parameters c3 and c4 [45]. Typically, c3 and c4 are related to 
the component molar weight, MW as: 

c3 = 1.435 × 10− 6MW0.4267 (19)  

{
c4 = 0.015 + 0.00042|50 − MW|;MW ≤ 97

c4 = 0.035;MW > 97 (20) 

However, for heavier n-alkanes, if c3 > 2.8× 10− 7, then Eq. (19) can 
be rewritten as [47]: 

c3 =
2.8 × 10− 7

1 + 3.23 × exp
(
− 1.54 × 10− 2MW

) (21) 

The components of the mixture may be treated as an overall system, 
and modified and simple volumetric mixing rules [48,49] are combined 
to extend the correlation to the mixtures, as: 

ρ0
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(
∑N

i=1

∑N
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mimj

2

(
1
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s,i
+

1
ρ0
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(
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)
)− 1

(22)  
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)
(23)  

⎧
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[
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∑N
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(ziMWi)

]; c3,mix > 2.8 × 10− 7

(24)  

⎧
⎪⎪⎨

⎪⎪⎩

c4,mix = 0.015 + 0.00042 ×

⃒
⃒
⃒
⃒
⃒
50 −

∑N

i=1
(ziMWi)

⃒
⃒
⃒
⃒
⃒
;
∑N

i=1
(ziMWi) ≤ 97

c4,mix = 0.035;
∑N

i=1
(ziMWi)〉97

(25)  

where N is the number of components, m is the mass fraction of the pure 
component in the mixture, βij is a binary-interaction parameter, and z is 
the molar fraction of a pure component in the mixture. 

2.3. Relative permeability model 

The flow velocity in the region of adsorbed water remains zero. 
However, the surface is in contact with the oil region and this can pro-
mote oil flow through liquid–liquid slip. The velocity of the bulk oil, vo, 
the oil–gas transition fluid, vog, and the bulk gas, vg, can be expressed 
through Eqs. (26), (27), and (28), respectively, as: 

vo(r) =
ΔP
L

R2
1 − r2

4μo
+C1,R2 < r ≤ R1 (26)  

vog(r) =
ΔP
L

R2
1 − r2

4μog
+C2,R3 < r ≤ R2 (27)  

vg(r) =
ΔP
L

R2
1 − r2

4μg
+C3, 0 < r ≤ R3 (28)  

where: r represents the distance from the midline of the capillary; μo, μog, 
and μg represent the viscosity of the bulk oil, transition zone fluid, and 
bulk gas, respectively. Similarly, C1, C2, and C3 are the correction factors 
that are associated with the liquid–liquid slip and fluid viscosity. The 
boundary conditions are prescribed as: 

vo|r=R1
= vslip (29)  

vo|r=(R1 − l1) = vog
⃒
⃒

r=(R1 − l1)
(30)  
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vog
⃒
⃒

r=(R2 − l2)
= vg

⃒
⃒

r=(R2 − l2)
(31)  

∂vg

∂r

⃒
⃒
⃒
⃒

r=0
= 0 (32) 

The slip velocity may be determined by applying the relations [32]: 

vslip =
τ
β

(33)  

where β is the liquid–liquid slip coefficient (0.612 ± 0.057 MPa∙s/m), 
and τ is the oil–water interface shear stress, which can be calculated by 
using the relations [50,51]: 

τ = f ∙
1
2
ρo(voc − vw)

2 (34)  

f = Bm
(

dcv0cρo

μo

)− n

(35)  

where f is the interfacial friction coefficient;voc is the average velocity of 
the bulk oil without liquid–liquid slip;dc = 2R1, ρo is the oil density; and 
n and m represent the Reynolds number correction parameters, which 
are typically n = 1andm = 16 for laminar flow. B is an additional 
parameter that ranges from 0.8 to 1 with B = 1 when there is only a 
slight waviness at the oil–water interface. Since we ignore the flow of the 
adsorbed WF, Eq. (34) can be expressed as: 

τ =
4μov0c

R1
=

ΔP
L

R2
1 − r2

R1
(36) 

Substituting Eqs. (26), (27), and (28) into Eqs. (29), (30), and (31), 
results in the following correlation factors: 

C1 =
τ
β
=

ΔP
L

R2
1 − r2

βR1
(37)  

C2 =
ΔP
L

[
R2

1 − R2
2

4μ0
−

R2
1 − R2

2

4μ0g

]

+
τ
β

(38)  

C3 =
ΔP
L

[
R2

1 − R2
2

4μo
+

R2
2 − R2

3

4μog
−

R2
1 − R2

3

4μg

]

+
τ
β

(39)  

allowing, Eqs. (26), (27), and (28) to be rewritten as: 

vo(r) =
ΔP
L

R2
1 − r2

4μo

(

1+
4μo

βR1

)

,R2 < r ≤ R1 (40)  

vog(r) =
ΔP
L

(
R2

1 − R2
2

4μo
+

R2
2 − r2

4μog
+

R2
1 − r2

βR1

)

,R3 < r ≤ R2 (41)  

vg(r) =
ΔP
L

(
R2

1 − R2
2

4μo
+

R2
2 − R2

3

4μog
+

R2
3 − r2

4μg
+

R2
1 − r2

βR1

)

, 0 < r ≤ R3 (42)  

where R1 = r, R2 = r − l1, and R3 = r − l1 − l2. The values of l1 and l2 are 
related to the molar fraction of the hydrocarbons and CO2 components 
and the degree of miscibility. The higher the CO2 concentration in the 
displacement phase, the thicker the oil–gas transition zone under the 
same pressure, with a minimum l2 of ~ 15 Å in the immiscible state. The 
width ratio R3/l1 is equal to the gas–liquid ratio that is calculated from 
the VTPR equation of state, as Vg/VL. Then, we can calculate the flow 
velocities of the gas, liquid, and transition zone with the outflow radius 
of R1 from Eqs. (40), (41), and (42). 

The volumetric fluxes of the different zones are calculated by the 
following integral. 

qo =

∫ R1

R2

ΔP
L

R2
1 − r2

4μo

(

1+
4μo

βR1

)

∙2πrdr =
ΔP
L

π
8μo

(

1+
4μo

βR1

)
(
R2

1 − R2
2

)2

(43)  

qog =

∫ R2

R3

ΔP
L

(
R2

1 − R2
2

4μo
+

R2
2 − r2

4μog
+

R2
1 − r2

βR1

)

∙2πrdr  

=
ΔP
L

π
2

[(
R2

1 − R2
2

)(
R2

2 − R2
3

)

2μo
+

(
R2

2 − R2
3

)2

4μog
+

(
R2

2 − R2
3

)(
2R2

1− R2
2 − R2

3

)

βR1

]

(44)  

qg =

∫ R3

0

ΔP
L

(
R2

1 − R2
2

4μo
+

R2
2 − R2

3

4μog
+

R2
3 − r2

4μg
+

R2
1 − r2

βR1

)

∙2πrdr  

=
ΔP
L

πR2
3

2

(
R2

1 − R2
2

2μo
+

R2
2 − R2

3

2μog
+

R2
3

4μg
+

2R2
1 − R2

3

βR1

)

(45) 

Assuming that the pore radii obey a fractal distribution, then the 
number of pores in the range fromr to r+dr can be determined by 
applying Eq. (46) as [52]: 

− dN = Df rDf
maxr

− (Df +1)dr (46) 

The average pore radius can then be calculated by using [53]: 

rmean = E(r) =
∫ rmax

rmin

Df rDf
maxr

− Df dr (47)  

and total volume fluxes of oil and gas expressed as: 

Qo =

∫ rmax

rmin

(
qo +Mvoqog

)
dN (48)  

Qg =

∫ rmax

rmin

[
qg +(1 − Mvo)qog

]
dN (49) 

For the wetting phase flux, such as the oil phase Qo in the coexistence 
system, this involves an additional resistance factor βR [54] that is equal 
to the reciprocal of the wetting phase saturation Swet, which is based on 
the fitting results in this study. To ensure continuity in the change in 
viscosity with radius, the mole fraction ratio of the oil to CO2 in the 
transition zone is defined as: 

Mvo =
l2
(
− 1 + 2

∑Nc
i=1zi

)

2R1
+

1
2

(50)  

where zi is the mole fraction of the hydrocarbon component, i is the 
component number, and Nc represents the total number of hydrocarbon 
components. 

The saturation of the oil phase (relative wetting phase) saturation 
can be expressed as: 

Sor =

∫ rc
rmin

πr2dN +
∫ rmax

rc
π
[
R2

1 − R2
2 + Mvo

(
R2

2 − R2
3

) ]
dN

∫ rmax
rmin

πr2dN  

=

(
r

2− Df
c − r

2− Df
min

)

(2− Df )
+
∫ rmax

rc

[
R2

1 − R2
2 + Mvo

(
R2

2 − R2
3

) ]
dr

(
r2− Df

max − r2− Df
min

)/(
2 − Df

) (51) 

When the pore diameter is smaller than the critical pore radius, rc, 
then gas is excluded by the magnitude of the capillary force - the pore 
space is then fully occupied by oil. To define the initial state of immis-
cibility, rc may be recovered from a core displacement experiment. 
However, rc decreases as the system approaches miscibility. When 
calculating the oil and gas saturation, both the adsorbed water and 
trapped water are assumed to exist at irreducible water saturation Swc. 
From this, the oil and gas saturation can be obtained as: 
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Sg = (1 − Swc)(1 − Sor) (52)  

So = (1 − Swc)Sor (53) 

According to an expanded version of Darcy’s Law, the effective 
permeabilities of the oil and gas phase are defined as [55]: 

ko = So
ϕQoμoL
APΔP

(54)  

kg = Sg
ϕQgμgL
APΔP

(55)  

where AP is the cross-sectional area of the pore and ϕ is the porosity. To 
ensure that the phase permeability endpoint value is less than 1, the 
absolute permeabilities are calculated by the maximum oil and gas flux, 
which are Qot and Qgt, respectively, and defined as: 

kabs o =
ϕQotμoL
APΔP

(56)  

kabs g =
ϕQgtμgL
APΔP

(57) 

The relative permeability is then obtained from Eqs. (58) and (59). 

kro =
ko

kabs o
(58)  

krg =
kg

kabs g
(59) 

Since the fugacity, fi, for each component can be calculated by 
applying a two-phase flash by using PR-EOS with the modifications in 
Section 2.3, the normalized Gibbs free energy (NGFE) can be obtained as 
[22,56]: 

g*
l =

Gl

RT
=
∑N

i=1
xiln(fli) (60)  

g*
v =

Gv

RT
=
∑N

i=1
yiln(fvi) (61) 

The relative permeability curves in the immiscible state can be 
calculated for the wellhead condition (101.325 KPa, 25℃), while the 
relative permeability curves in the completely miscible state are inter-
secting straight lines with endpoints that are associated with an immo-
bile saturation. Then, the relative permeability parameters can be 
linearly interpolated by using the current GFE between the two refer-
ence states [22,57]: 

kCor
rp = Fk∙kImm

rp

(
Sp
)
+ [1 − Fk]∙kMis

rp

(
Sp
)

(62)  

where kImm
rp and kMis

rp represent the immiscible and miscible curves, and Sp 

is the saturation of phase p. The interpolation parameter, Fk, varies from 
zero at complete miscibility to unity for immiscible 

displacement and may be evaluated from Eq. (63) [22]: 
⎧
⎪⎪⎪⎪⎨

⎪⎪⎪⎪⎩

Fk = 1 − max
(

g*
l

g*
v
, 0
)n

, np = 2(a)

Fk = 1 − max

[
min
(
g*

c , g*
0

)

max
(
g*

c , g*
0
), 0

]n

, np = 1(b)

(63)  

wherenp represents the total system phase number, g*
c is the normalized 

Gibbs free energy for the target system, and g*
0 is the normalized Gibbs 

free energy at the critical point. 
An operational flowchart describing the proposed model is shown in 

Fig. 2. 

Fig. 2. Flowchart for estimating immiscible and near-miscible relative permeabilities.  

Fig. 3. Fitting of proposed model against observations from both core-flooding 
experiments [64,65] and analytical simulation [60]. 
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3. Results and discussion 

3.1. Model validation 

Fractal theory has been broadly applied to describe relative perme-
ability in immiscible two-phase/three-phase systems [58,59]. Models 
have been variously validated against experimental studies, Lattice 
Boltzmann simulations and several widely used semi-empirical models 
[60,61]. Traditional experiments are restricted to provide observations 
of only averaged relative permeabilities [62]. Lattice Boltzmann 
methods may define spatial distributions of fluxes but are challenged by 
the need to accurately define geometry at fine-resolution and only return 
the physics that is included in the model [63]. Correspondingly, we 
simplified the proposed model to a completely immiscible system by 
specifying a fixed viscosity ratio (μnon wet

μwet
= 0.75), a defined no-slip 

boundary (vslip = 0), and equal phase fraction in the transition zone 
(Mvo = 1

2) to allow verification, as shown in Fig. 3. Compared with prior 
results from Wang et al. [60] (dotted line), the proposed model considers 
the impact of near-wall flow resistance. This results in a lower wetting 
phase relative permeability that ultimately provides a better fit with 
experimental observations [64] (scattered points). It should be noted 
that the value of the additional resistance coefficient βr may be changed 
with the contact angle and the morphology of the pore surface [65]. 
Thus, more tests can be conducted to determine βr for the different 
formations if necessary. 

3.2. Relative permeability modeling 

A sample of oil recovered from the Wolfcamp formation in Apache’s 

Lin field is used in this study [66]. Defined characteristics of the oil 
sample include the composition (m), critical temperatures and pressures 
(Tc, Pc), the acentric factor (ac), molar weight (Mw), and various 
calculated parameters, including the vdW energy and volume parameter 
(a, b), the Lennard-Jones energy parameter (ε), and the criticalities of 
temperature and pressure after modification (Tc

’, Pc
’) are shown in 

Table 1 (in the Appendix). Table 2 (in the Appendix) presents the binary- 
interaction parameters in the modified flash calculation model. 

The minimum miscible pressure (MMP) of the oil sample was 
calculated to be 3,425 psi by traditional cell-to-cell simulation [67,68] 
at a reservoir temperature of 255 ◦F. This is slightly lower than the 
reservoir pressure of 3,450 psi, which indicates that miscibility with 
multiple contacts is attainable while remaining at a near-miscible state 
in most cases. Typically, the reference relative permeability parameters 
are based on experimental data, and interpolations are then conducted 
between them based on a function that is related to the GFE. Selection of 
the reference values has been discussed in detail elsewhere [27,29] and 
is not repeated here. In this study, one reference value is the GFE that 
was calculated for the injection components (16.89 for pure CO2) when 
the pressure first results in miscibility (FCM), which was 4,700 psi. The 
other reference value for the immiscible state is the calculation result for 
the separated oil (5.977) with an original CO2 fraction of 0.99 at the 
bottom hole pressure of the producing well (1500 psi). The selected 
reference states span a sufficiently wide bracket that all interpolations 
during CO2 flooding fall intermediate to these limits. As shown in Fig. 4, 
the x-coordinate represents the liquid phase saturation, and the solid 
and dashed lines represent the values for the immiscible and miscible 
states, respectively. 

The bound water saturation (Swc) and residual gas saturation (Sgc), as 
input parameters, were each set to 0.1. The minimum and maximum 
pore radius (rmin and rmax) are 5 nm and 1,000 nm, respectively. Then for 
the immiscible state, the residual oil saturation Soc was calculated to be 
0.115 according to the values of Swc, rmax, and rc, which resulted in a 
residual liquid phase saturation , SLc, of ~ 0.215. When the mixture is 
completely miscible, Soc and Sgc decrease to 0, and the residual liquid 
saturation SLc mis approaches 0.1. The maximum relative permeability 
increases to only 0.9 since the water phase is immobile. 

3.3. Sensitivity analysis 

We evaluated the computational accuracy of the proposed model for 
predictions of fluid density and viscosity. Then, the changes of the 
relative permeability are then reported relative to pore structure pa-
rameters, including the fractal dimension (Df ), the average (rmean) and 
critical (rc) pore radius. The near-miscible interpolation was studied by 
modeling the multiple contact miscibility (MCM) process. The effects of 
the pressure and nanopore confinement on the system composition are 

Fig. 4. Relative permeability for two reference points representative of the 
immiscible and miscible states. 

(a) CO2 C)b(ytisned 12 density 

Fig. 5. Changes in CO2 and C12 density with pressure for the bulk and confined fluids.  
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discussed in detail. The relative permeability endpoints are obtained by 
the GFE-based interpolation according to the two reference states in 
Fig. 4. 

3.3.1. Calculation of the fluid density and viscosity 
CO2 flooding in porous media is significantly affected by the density 

and viscosity of the vapor and liquid phases. Fig. 5 compares the 
measured CO2 and alkane density measurements against calculations 
from the proposed model at reservoir temperature (255 ◦F). The 
observational data are obtained from the NIST Chemistry WebBook [46] 
(green diamonds, Fig. 5) and calculations for the bulk fluid in conven-
tional macropores or cracks (with an average pore radius, rmean, ≥1 ×
105 nm) are shown as solid red lines. Meanwhile, the results for assumed 
nanopore confinement of the fluid (withrmean = 5 nm) are shown as the 
solid blue lines. The calculated results for the non-hydrocarbon (CO2) 
and heavy hydrocarbon (C12) phases agree closely with the observa-
tional data for unconfined fluids. However, the densities of the CO2 and 
heavy alkane, C12, at high pressure and under nanopore confinement 
differ significantly and are lower than the bulk fluid – a difference that is 
important to accommodate. 

The vapor–liquid viscosity ratio also exerts a significant impact on 
relative permeability [69]. Fig. 6 shows the changes of the vapor and 
liquid viscosities of the bulk and confined fluid with the CO2 mole 
fraction. The smaller viscosity difference of the confined fluid (in Fig. 6 
(b)) relative to that of the bulk fluid (in Fig. 6 (a)) indicates that the 
nanopores contribute to an increased mobility ratio. Moreover, when 
the mole fraction of CO2 is lower than ~ 0.3, the fluids only exist in a 
liquidus state within the nanopores, whereas the vapor and liquid phase 
coexist in the larger pores. This phenomenon demonstrates that 

nanopores can reduce the VLE constant of the CO2, consistent with our 
previous studies [70]. 

3.3.2. Factors influencing immiscible relative permeability 
The differences in the calculated density and viscosity will inevitably 

impact the relative permeability, through the pore size, as shown in 
Fig. 7. The x-ordinate is the saturation of the wetting phase, which is the 
liquid phase in this work. The red and black lines represent the bulk fluid 
and the confined fluid relative permeabilities, respectively. Moreover, 
the initial liquid saturation of the bulk fluid (of ~ 0.75) is lower than 
that of the confined fluid (of ~ 0.9), which is due to the difference in the 
VLE. Thus, relative permeabilities beyond the initial liquid saturation in 
the figure are indicated by the red dotted line. A decrease in the pore size 
has a negligible effect on the wetting phase relative permeability; 
however, it will increase the relative permeability of the non-wetting 
phase (vapor phase) and result in a shift to the left (reduced liquid 
saturation) of the isosmotic point. 

Fractal dimension, Df , relates to the degree of the pore structure 
disorder. In this work, Df ranges from 1.1 to 1.9 to represent the 
disordered characteristics of the capillary distribution within the cross- 
section of the representative elementary volume (REV). As described in 
Eqs. (46)–(51), changing Df affects the pore size distribution and the 
total number of pores; thus, it changes the single-phase flux and phase 
saturation. The average pore radius, rmean,will increase with a decrease 
in Df , according to the probability density function of Eq. (47). There-
fore, the properties of the confined fluid should be correspondingly 
modified according to Eqs. (1)–(3). As shown in Fig. 8, a decrease in Df 

(reduction in disorder) will result in a decline in the vapor phase relative 
permeability and an increase in the liquid phase relative permeability, 

diulfdenifnoC)b(diulfkluB)a(

Fig. 6. Changes in in situ oil viscosity with CO2 mole fraction in both bulk and confined fluids.  

Fig. 7. Effect of mean pore size, rmean, on relative permeability.  Fig. 8. Effect of fractal dimension, Df , on relative permeability.  

M. Cai et al.                                                                                                                                                                                                                                     



Fuel 310 (2022) 122389

8

and a shift in the isosmotic point to the left (lower liquid saturation). 
Since the VLE in the confined space is affected by the average pore size 
(rmean), which in turn is a function of Df , the variation of the relative 
permeability in Fig. 8 results from the combined effects of the fluid 
properties and the change in architecture of the pore structure. 

The critical pore radius, rc, is set to be the minimum pore radius that 
invading fluid can displace. This parameter relates to the pore connec-
tivity and can be measured through mercury injection porosimetry or by 
imaging via NMR or X-ray CT [71]. With an increase in rc, the vapor 
phase relative permeability increases significantly, whereas the liquid 
phase permeability slightly decreases. The isosmotic point and the 
relative permeability endpoints move to the right (as shown in Fig. 9). In 

addition, as the system approaches miscibility during the CO2 
displacement, a reduction in the interfacial tension can be reflected in 
the model by reducing rc; hence, the endpoints can gradually move from 
the initial calculation to the zero point. The value of rc at the reference 
points can be obtained by performing experiments or logging data, while 
its variation in the near-miscible phase can be obtained by interpolation. 

3.3.3. Factors influencing GFE-based interpolations 
This section describes the cell-to-cell simulations that used the 

modified volume translated Peng-Robinson and expanded fluid based 
correlation (VTPR + EFB) model to present the process of reaching 
miscibility through multiple contacts (Figs. 10 and 13-14 (a)). The 
normalized Gibbs Free Energy (NGFE) of the vapor and liquid phases at 
each test point was calculated to determine whether the model is 
running correctly under the near-miscible condition. The fractal 
dimension, Df , was 1.7 and the critical pore radius,rc, was 20 nm. The 
average pore radius,rmean, was then calculated to be 11.85 nm. The 
calculation (Fig. 10) was conducted at 3,500 psi, where the bulk fluid 
CO2 and the in situ oil are theoretically considered to be in multiple 
contact miscibility (MCM). Fig. 10 (a) shows the path of the composition 
before the interfacial tension decreases to zero. Correspondingly, the 
NGFE of the vapor and liquid phase (in Fig. 10 (b)) gradually becomes 
consistent as the system composition changes. For the backward process 
with CO2 injection, the molar fraction of hydrocarbon components de-
creases, the liquid phase NGFE increase while the vapor phase NGFE 
decrease, leading to the rise of the interpolation parameter Fk (Fig. 11 
(a)). The relative permeability parameters keep moving toward the 
reference point for the immiscible state (Fig. 11 (b)). 

As the system pressure decreases, the vapor and liquid NGFE move 

Fig. 9. Effect of critical pore radius rc on relative permeability.  

(a) Multiple contact calculations (b) Normalized Gibbs free energy (GFE) 

Fig. 10. Evaluation of (a) multiple contact miscibility (MCM) and (b) the corresponding normalized Gibbs Free Energy (NGFE) for the bulk fluid at 3,500 psi.  

(a) Interpolation parameter  (b) Relative permeability endpoint 

Fig. 11. Changes in the Fk (a) and the relative permeability endpoint (b) with hydrocarbon mole fraction.  
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from the same point M to point M’
V and point M’

L, respectively (as shown 
in Fig. 12). The increasing difference between the two NGFEs indicates 
the deviation of the system from the miscible state. Then, the endpoints 
can be interpolated by using Eqs. (62) and (63). When the pressure is 
reduced to ~ 2600 psi, the interpolation parameter Fk tends to stabilize 
at ~ 0.9 (Fig. 13 (a)), resulting in the relative permeability parameters 
almost unchanged (as shown in Fig. 13 (b)). The vapor phase endpoint 
drops to ~ 0.6, and the liquid phase endpoint drops to ~ 0.8, corre-
sponding to liquid phase saturations of 0.26 and 0.9, respectively. This is 
because, under the immiscible state, the NGFE ratio of liquid and vapor 
phase (so as the Fk) remains almost unchanged with a stable chemical 
potential difference. Constrained by the setting of the irreducible water 

saturation (which is 0.1), the endpoint in the miscible state is ~ 0.9 
(Fig. 13 (b)). 

Specifically, when the pressure drops to 2,900 psi, the bulk fluid 
composition changes paths, and the flash calculation results are shown 
in Fig. 14. The system cannot reach the miscible state by changing the 
fluid composition. Thus, interfacial tension always exists between the 
vapor and liquid phases, and there is no intersection point between the 
NGFE of the two phases. However, when we consider the effect of the 
confined space on the fluid properties, miscibility occurs in the CO2 
system and the in situ oil, as shown in Fig. 15. The comparison reveals 
the composition changes to the bulk and confined fluid at the same 
temperature and pressure. The compositional changes are further re-
flected in the relative permeability through continuous changes of the 
NGFE, as shown in Fig. 16. The x-ordinate represents the ratio of the CO2 
molar fraction and at the critical point. The NGFE at the critical point 
was calculated to be 14.11 to conduct interpolation for the single-phase 
region. Since the process in Fig. 15 only involves interpolation within 
the two-phase region, we can apply Eq. (63a) for the calculation. Since 
the components approach the critical point, the endpoint values of the 
relative permeability of the vapor and liquid phase become equal at 0.9. 

This model can be integrated with a compositional simulator to 
address field-scale problems but incorporate the important micro-scale 
physics of unconventional reservoirs. The rapid recovery of a fraction 
of the wetting fluid via displacement can be well represented. However, 
after displacement-dominated transport terminates, the remaining 
liquid is trapped in the pore and becomes stagnant – then evaporative 
transport initiates and becomes progressively more conspicuous [72]. In 
a transport state that is dominated by evaporation, the liquid evaporates 
into the injected CO2 and is removed as a wet gas with a high hydro-
carbon content along with the vapor mixture. Then, the vapor 

Fig. 12. Changes in the normalized Gibbs Free Energy (NGFE) with pressure.  

(a) Interpolation parameter  (b) Relative permeability endpoint 

Fig. 13. Changes in the Fk (a) and the relative permeability endpoint (b) with pressure.  

(a) Multiple contact calculations  (b) Normalized GFE 

Fig. 14. Evaluation of (a) multiple contact miscibility (MCM) and (b) the corresponding normalized Gibbs Free Energy (NGFE) for the bulk fluid at 2,900 psi.  
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permeability increases with continuing CO2 injection, whereas the 
liquid phase is immobile within the porous medium. A further modifi-
cation of the relative permeability model is necessary to simulate the 
evaporation-dominated transport during CO2 flooding. 

4. Conclusions 

The combination of the volume translated Peng-Robinson model 
with the expanded fluid based correlation method (VTPR + EFB) can be 
used to calculate the density, viscosity, and phase equilibrium of 
multiphase fluid mixtures at high temperature and high pressure in 
unconventional reservoirs, and within a permissible error. Based on this, 
the proposed new relative permeability model can consider the dy-
namics of CO2-oil diffusion and oil–water interface slip in nanometer- 
scale pores. This provides a basis for appropriately and effectively 
integrating microscale effects of the physics of fluid transmission into 
field-scale compositional simulation. The following conclusions can be 
drawn. 

1. Accommodating the additional resistance of the pore wall to the 
wetting phase, renders the relative permeability calculation more 
consistent with the experimental results. The additional resistance factor 
βR is equivalent to the reciprocal of the wetting phase saturation Swet, as 
determined from the fitting of results in this study. 

2. To ensure that all the interpolations during CO2 flooding fall 

within prescribed limits, the reference point for the Gibbs Free Energy 
(GFEs) representing near-miscible relative permeability can be selected 
as: 1) the value for the injected CO2 (16.89) at the FCM pressure (4,700 
psi), and 2) the value of the separated oil (5.977) at the bottom hole 
pressure (1,500 psi) of the producing well. 

3. Nanopore confinement reduces the density of both the hydrocar-
bon and non-hydrocarbon components and increases the vapor–liquid 
viscosity ratio. As a result, the non-wetting phase relative permeability 
will increase while the wetting phase relative permeability remains 
almost unchanged. 

4. The relative permeability of the non-wetting phase (vapor phase) 
is more sensitive to the change in the key parameters of the proposed 
model, as compared to the wetting phase. An increase in the fractal 
dimension Df and the critical pore radius rc will result in an increase in 
the vapor phase relative permeability and a decline in the liquid phase 
permeability. 

5. Confined fluids can achieve miscibility at lower pressures. Within 
the range of the reference points, the NGFE values can reflect the vari-
ation of the proximity to miscibility that is caused by the pore size and 
pressure. The interpolation algorithm, based on the NGFE, has been 
shown to provide accurate representation even local to the critical point. 
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Appendix  

(a) Multiple contact calculations  (b) Normalized GFE 

Fig. 15. Evaluation of (a) multiple contact miscibility (MCM) and (b) the corresponding normalized Gibbs Free Energy (NGFE) for the confined fluid at 2,900 psi.  

Fig. 16. Changes in the relative permeability endpoint when approaching 
miscibility. 
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Table 2 
Binary-interaction parameters used in the flash calculation.   

CO2 C1 C2 C3 C4 C5–6 C7–12 C13–21 C22–80 

CO2 0 0.0279 0.0682 0.0701 0.0806 0.0697 0.0643 0.0597 0.057 
C1 0.0279 0 0.005 0.0035 0.0035 0.0037 0.0033 0.0033 0.0033 
C2 0.0682 0.005 0 0.0031 0.0031 0.0031 0.0026 0.0026 0.0026 
C3 0.0701 0.0035 0.0031 0 0 0 0 0 0 
C4 0.0806 0.0035 0.0031 0 0 0 0 0 0 
C5–6 0.0697 0.0037 0.0031 0 0 0 0 0 0 
C7–12 0.0643 0.0033 0.0026 0 0 0 0 0 0 
C13–21 0.0597 0.0033 0.0026 0 0 0 0 0 0 
C22–80 0.057 0.0033 0.0026 0 0 0 0 0 0  

Table 1 
Mole percentages and properties of the different components in hydrocarbons recovered from the Wolfcamp formation.  

NO. Component TcK  Pcatm  ac  vcL/mol  Pc/TcRef. [8]  Pc/TcRef. [38]  Deviation Tc
’K  Pc

’atm  

CO2 /  304.2  72.8  0.228  44.01  3.7  0.043  252.5  283.6  67.9 
C1 0.338  186.3  44.6  0.010  16.54  2.2  0.043  147.8  171.2  41.0 
C2 0.088  305.5  49.1  0.103  30.43  5.5  0.064  247.2  276.7  44.5 
C3 0.097  370.0  41.9  0.152  44.10  9.4  0.091  302.4  330.5  37.4 
C4 0.060  421.8  37.2  0.189  58.12  13.8  0.116  347.4  372.6  32.8 
C5–6 0.088  486.4  31.4  0.268  78.30  21.7  0.159  407.1  422.6  27.3 
C7–12 0.189  585.1  24.7  0.429  120.56  39.9  0.243  505.6  494.4  20.9 
C13–21 0.077  740.1  17.0  0.720  220.72  92.8  0.447  676.0  592.5  13.6 
C22–80 0.062  1024.7  12.9  1.016  443.51  233.6  0.812  987.3  764.5  9.7  
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